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Abstract 
 
The Taru Alpha field is a small oil rim with a gas cap field and no production to date (green field). 
Two vertical wells have been drilled in the field and confirmed a complex sand distribution and 
constrained volumes of gas and ca.30° API oil. During a previous phase of development, static models 
have been built and dynamic simulations have been undertaken. Those led to an estimated STOIIP of 56 
MMbbl and to oil recovery factors of 16% and 19% with 2 or 3 wells. 
As the project moved to a further development phase the geological understanding of the field 
increased and a methodology needed to be developed in order to assess the impact of the static and 
dynamic uncertainties related to the new geological concepts. The methodology described in this paper 
aimed to construct multiple conceptual static models which were geologically consistent with the 
available data. Such conceptual modelling has shown good predictive capability to estimate the dynamic 
response of a target (De Paola et al (2013)). The objectives of the present study included determining the 
impact on the oil recovery of the Net-to-gross (NTG) distribution over Taru Alpha. A low NTG was 
considered to be likely in the field although inter-connectivity was thought to possibly be increased by a 
strong density of injected sands. Evaluating the impacts of the aquifer strength and the gas-cap size on the 
oil recovery factor was a second key component of the present work. 
The models allowed for the development of a reliable range of recovery factors and production 
profiles which are to be used in the decision making process regarding further development of the field. 
Simulations led to a base oil recovery factor of 23.5%, and confirmed the critical impact of the sand 
fraction on the connectivity in the reservoir and the recovery. The oil recovery factor indeed dropped to 
10.4% in the case of a low geological concept. The aquifer strength also appeared to be a key parameter. 
A medium-low aquifer strength was set as the base case with a ratio of 10 (volume of water in the aquifer 
over the volume of oil in the field). Selecting the high case in terms aquifer size with a ratio of 40 led to a 
significant increase of the oil recovery factor which then reached 30.8%. On the contrary, selecting an 
aquifer ratio of 1.4 (low case) induced a sharp drop of the oil recovery which attained 14.7%. The gas-cap 
size impact on the recovery was investigated, and it was shown that shifting the m-factor from a base 
value of 0.5 to a low value of 0.1 caused a decrease of the recovery which then reached 20.5%. Increasing 
the m-factor up to 1 proved to induce a stronger gas-conning in the well and therefore also induced a drop 
in the recovery which then attained 21.7%. Finally, a study of the NTG distributions in the conceptual 
static models showed that the low geological model was the most consistent with the well data, and it was 
concluded that a more representative base case would most likely have sand fraction values lying 
between those of the considered base and low static concepts, closer to the later ones.  
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Abstract 
The Taru Alpha field is a small oil rim with a gas cap field and no production to date (green field). Two vertical wells have 
been drilled in the field and confirmed a complex sand distribution and constrained volumes of gas and ca.30° API oil. During 
a previous phase of development, static models have been built and dynamic simulations have been undertaken. Those led to 
an estimated STOIIP of 56 MMbbl and to oil recovery factors of 16% and 19% with 2 or 3 wells. 
As the project moved to a further development phase the geological understanding of the field increased and a 
methodology needed to be developed in order to assess the impact of the static and dynamic uncertainties related to the new 
geological concepts. The methodology described in this paper aimed to construct multiple conceptual static models which were 
geologically consistent with the available data. Such conceptual modelling has shown good predictive capability to estimate 
the dynamic response of a target (De Paola et al (2013)). The objectives of the present study included determining the impact 
on the oil recovery of the Net-to-gross (NTG) distribution over Taru Alpha. A low NTG was considered to be likely in the 
field although inter-connectivity was thought to possibly be increased by a strong density of injected sands. Evaluating the 
impacts of the aquifer strength and the gas-cap size on the oil recovery factor was a second key component of the present 
work. 
The models allowed for the development of a reliable range of recovery factors and production profiles which are to be 
used in the decision making process regarding further development of the field. Simulations led to a base oil recovery factor of 
23.5%, and confirmed the critical impact of the sand fraction on the connectivity in the reservoir and the recovery. The oil 
recovery factor indeed dropped to 10.4% in the case of a low geological concept. The aquifer strength also appeared to be a 
key parameter. A medium-low aquifer strength was set as the base case with a ratio of 10 (volume of water in the aquifer over 
the volume of oil in the field). Selecting the high case in terms aquifer size with a ratio of 40 led to a significant increase of the 
oil recovery factor which then reached 30.8%. On the contrary, selecting an aquifer ratio of 1.4 (low case) induced a sharp 
drop of the oil recovery which attained 14.7%. The gas-cap size impact on the recovery was investigated, and it was shown 
that shifting the m-factor from a base value of 0.5 to a low value of 0.1 caused a decrease of the recovery which then reached 
20.5%. Increasing the m-factor up to 1 proved to induce a stronger gas-conning in the well and therefore also induced a drop in 
the recovery which then attained 21.7%. Finally, a study of the NTG distributions in the conceptual static models showed that 
the low geological model was the most consistent with the well data, and it was concluded that a more representative base case 
would most likely have sand fraction values lying between those of the considered base and low static concepts, closer to the 
later ones. 
 
Introduction 
The Taru Alpha field was discovered a few decades ago by Shell in the Central North Sea and is a structural trap in 
deepwater turbiditic sandstones of the Eocene-age Kaapo Formation. The field belongs to the Southern Kaapo Fan System, a 
subsidiary small fan body that joins the main Kaapo Fan System. The reservoir is limited to the north by a major northwest-
southeast trending structural lineament called the Southern Fault and pinches out to the south against a structural high. Drilling 
the discovery well A revealed the presence of oil and gas in the reservoir with a Gas Oil Contact (GOC) depth of 5740 ft, while 
drilling the appraisal well B showed the presence of oil and water in the Kaapo sands with an Oil Water Contact (OWC) at a 
depth of 5950 ft (Shell internal reports). Several other wells have been drilled in the region, well C drilled to the east and well 
D drilled to the west of Taru Alpha did encounter hydrocarbons but were too small to be developed economically. All wells in 
the area were abandoned after drilling. 
A 3D survey was acquired and a final pre-stack time migrated cube was made available. This data formed the basis for in-
place volumes estimated for farm-in agreement. The opportunity to mature the Taru Alpha discovery was identified as part of a 
farm-in agreement. 
The available well log data in Taru Alpha area and earlier geological studies suggested that the NTG would be low over the 
field. This was considered to possibly have a strong negative impact on the reservoir inter-connectivity and therefore the 
Imperial College 
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projected oil recovery. The reservoir connectivity with the surrounding aquifers in the area was considered to be another key 
uncertainty which would potentially have a strong impact on the recovery factor. Similarly, the impact of the gas-cap size was 
believed to be potentially significant. The aim of the study described in this paper was to assess the influence of those 
parameters along with the other static and dynamic variables and determine a range of oil recovery factors that would 
encompass the full range of static and dynamic uncertainties. Typically, modelling techniques to assess uncertainty of spatial 
parameters requires the analysis of a large number of realizations to assess the variability of the controlling parameters input to 
the stochastic geological realizations (Caers et al (2011)). This paper aims to provide a sensitivity based analysis for which 
only a limited number of realizations were generated to represent the entire space of variability of the scenario. Similar 
approaches including distance based techniques have been used in the past (Scheidt (2009)). This methodology needs a 
transfer function to be defined in order to compare or rank realizations (e.g STOIIP). For the study described in this paper the 
oil recovery factor was picked as such a transfer function. 
The first part of the present report focuses on the generation of the geological static distributions and details the method 
and the parameters that have been used in order to populate the models with facies. The second part describes the ranges of 
parameters which impact have been studied in a sensitivity analysis, as well as the rock and fluid properties. The ranges of 
variables were chosen in order to encompass the static and dynamic uncertainties. Simulations results are then described and 
discussed as well as the results of a study on the NTG that has been undertaken in order to compare the model NTG with the 
available well data. 
 
Characteristics of the models 
Areal and vertical dimensions 
The models were built using Petrel 2012 with the areal and vertical dimensions displayed in Table 1. 
 
The areal gridblocks dimensions were set to 50 by 50 m and their 
thickness to 4 ft. Those dimensions were selected as they allowed 
capturing the geological distributions in the considered formations 
(channels widths and thicknesses). The models included 88 cells in the 
x-direction (East-West), 56 in the y-direction (North-South) and 64 in 
the z-direction for 35 062 cells in total. A dip angle of 5° was applied 
and is representative of the formations dip in the Taru Alpha field. 
 
Table 1: Models areal and vertical dimensions.  
Length (m) 2200 
Width (m) 1400 
Dip angle (degrees) 5 
Thickness (ft) 125 
Geological distributions 
The Southern Kaapo Fan was deposited in a deep marine valley delimited to the north by the Sylvia South Fault. 
Biostratigraphic data resulted in the deviation of the Kaapo Member into Upper, Middle, and Lower Kaapo but in the study 
area, only sandstone beds from the Upper (PT23) and Middle (PT22.4 and PT22.3) Kaapo are observed to have been 
deposited. The current geological concepts assume that Upper and Middle Kaapo are respectively composed of a main back-
stepping channel and of migrating channels in the Taru Alpha area. The characteristics of those geological features were 
derived from the core data (channels thickness) and from analogue fields exhibiting the same sedimentological concepts (sand 
fraction, channels width, amplitude and wavelength). The seismic data was used along with the data from the analogues to 
estimate the Upper Kaapo main channel width but needed further quantitative interpretation to provide any other useful 
quantitative input to the geological features characteristics. In particular, the small dimensions of the channels in the Middle 
Kaapo made them impossible to be seen on the seismic data. An integration of the seismic data with the biostratigaphic and the 
well data did nonetheless allow for the estimation of the average thickness of the Upper and the Middle Kaapo. The Upper 
Kaapo thickness was found to be 35 ft and the Middle Kaapo one 90 ft. 
The geological information to characterize the facies distribution was applied using geo-statistical techniques to different 
geological scenarios. This constitutes a typical approach which is often used to characterize the reservoir structure and 
properties (see e.g Deutsch (2002), Xu et al (1992), Carr et al (1989), Al Muhairi et al (2006)). Three models representing the 
low, base and high cases in terms of geological distributions were populated with facies using Petrel’s Object Modelling 
(stochastic) functionality. The characteristics of the facies distributions generated are given in the Table 2. The Upper Kaapo 
channels were constrained in a main 1400 m wide, North-South orientated back-stepping channel. This value was based on the 
seismic data, the depositional valley dimensions and on a sedimentological study that was undertaken. Similarly, the Middle 
Kaapo channels were constrained in a 2000 m wide, North-South oriented zone.  
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Table 2: Geological distributions characteristics 
Case Zone Depositional Model Width Thickness Amplitude Wav. Sand 
Fraction 
(m) (ft) (m) (m) (%) 
Low 
concept 
UKAAPO Back-stepping channel 150 5 100 1000 17.15 
MKAAPO Migrating channels 200 5 200 3000 14.90 
Mid concept 
UKAAPO Back-stepping channel 250 10 150 1500 32.78 
MKAAPO Migrating channels 250 10 150 1500 26.42 
High 
concept 
UKAAPO Back-stepping channel 500 20 500 3000 51.78 
MKAAPO Migrating channels 300 10 1000 5000 31.76 
Modelling the injectites distributions 
In the Middle Kaapo Member, thin sandstone beds (< 2 ft) exhibiting clear evidence of fluidization and injection (e.g. 
truncation of layering in overlying strata, angular mud clasts, fluidization structures) are observed throughout the well cores 
from the Kaapo Member. As injected sands proved when present to have a relatively strong impact on the recovery for fields 
in the North Sea (Briedis et al (2007), Braccini et al (2008), Rodriguez et al (2009)), choice was made to include those in the 
static models and study the impact on the recovery. 
The density and dimensions of the 
injected features have been evaluated from 
available cores in the Taru Alpha area and 
from analogue fields in the surrounding area. 
In order to assess the impact of injected sands 
on the recovery injectites models were 
produced. Three distributions embodying 
increasing cases in terms of injectites density 
and dimensions were generated and were 
populated randomly. The injectites models 
characteristics are displayed in Table 3.These 
distributions were used as a variable in the 
sensitivity studies that are described later in 
this report. 
 
 
Table 3: Injectites designs characteristics 
Case Zone 
Injectites designs 
Sand fraction 
(%) 
Average vertical 
length (ft) 
Low concept 
(A) 
UKAAPO 0  / 
MKAAPO 10  15 
Mid concept 
(B) 
UKAAPO 0  / 
MKAAPO 15  40 
High concept 
(C) 
UKAAPO 0 / 
MKAAPO 20  80 
 
Modelling the variables 
The three generated static geomodels were used as a variable in the simulations. The porosity in the channels was set to 0.3 
for both the Upper Kaapo and the Middle Kaapo, this value being derived from the log data in the wells A and B. The porosity 
was not set as a variable as its impact lied on the in-place volumes and not on the recovery factor. The Net-To-Gross (NTG) 
was set to 1 in the channels and to 0. 
 
Aquifer strength. The aquifer strength was defined as a variable and was accounted for through the ratio between the volume 
of water in the aquifer and the oil rim volume. Three cases reflecting diverse aquifer volumes were defined and were based on 
different possible aquifer connectivities in the area. The oil rim volumes that have been used came from estimations achieved 
in an earlier phase of development. This led to a base aquifer ratio of 10, a low value of 1.4 (aquifer extremely poorly 
connected to the reservoir and with therefore almost no impact on the recovery) and a high value of 40 (in which case the 
aquifer behavior became similar to the behaviour of an infinite aquifer). 
 
Gas-cap. The gas-cap size was accounted for through the m-factor value (defined as the ratio of the gas-cap volume over the 
oil rim volume). The chosen values were based on the low, mid and high estimations of the gas-cap volumes and were 
respectively 0.1, 0.5 and 1. 
 
Permeability. The Upper and Middle Kaapo low, mid and high permeabilities values used in the simulations were based on 
the log data available for the wells A and B and a porosity-permeability relationship that had been developed from a 
conventional core analysis carried out on the wells A and C (located to the East of Taru Alpha field). The permeability values 
were averaged for the wells A and B and the high and low values were derived from the uncertainty in the porosity-
permeability relationship and in the log measurements. The resulting values can be seen in Table 4. 
 
Kv/Kh. The Kv/Kh was modelled as a variable and the values were chosen based on typical values in the Taru Alpha area. 
 
Maximum surface gas rate. The range of values for the maximum gas rate was based on the results of some preliminary 
simulations undertaken in earlier studies. 
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Corey parameters. A special core analysis was carried out on the core from the well C (East of Taru Alpha) during a previous 
phase of work. The experimental data for this well allowed generating Corey based relative permeability curves using Relate 
software. The selected values of the Corey exponents Ng, Nw, Now and Nog that had been derived were the ones used for the 
base case in the present study. The low and high values were based on a previous work. 
 
Well depth. The well depth was set as a variable as an offset from the GOC. The base case GOC offset was set to 95 ft. 
 
Table 4 summarizes the variables used in the dynamic simulation and which influence has been studied. 
 
Table 4: Variables 
Variable Min Base Max 
Geomodel Low concept Mid concept High concept 
Aquifer ratio 1.4 10 40 
Gas cap m-factor 0.1 0.5 1.0 
UT channels permeability (mD) 1033 2893 8100 
MT channels permeability (mD) 697 1952 5465 
Kv/Kh 10
-3 
10
-2 
1 
Max gas rate (MMscf/day) 6 10 15 
Ng 1 2.20 3.40 
Nw 1 2.61 4.22 
Now 1 2.68 4.36 
Nog 2 4.38 6.76 
Well GOC offset (ft) 65 95 125 
 
Injectites. The presence of injectites in the Middle Kaapo was set as a variable. In order to better display the impact of those 
features, a base case with no injectites was chosen. The three injectites designs described earlier were tested in the simulations. 
Those three designs are shown in Table 5. 
 
Table 5: Injectites designs 
 Design A Design B Design C 
Injectites MKAAPO (sand fraction, mean 
thickness) 
10% ; 15ft 15% ; 40ft 20% ; 80ft 
 
PVT data 
The PVT model was developed in a prior project stage. A 
representative PVT sample was available for the well A but not 
for the well B. As a consequence a correlation based PVT model 
had been developed in order to generate a PVT model for Taru, 
and Glaso correlation had been selected for generating the PVT 
properties as this correlation was developed using North Sea 
crudes. The PVT model is summarized in Table 6. 
In addition, the values of the oil (Bo) and gas (Bg) formation 
factors had been generated making use of respectively Glaso and 
Hall-Yarborough correlations through the software PVTsim. The 
solution GOR (Rs) values were computed similarly from Glaso 
correlation. 
Table 6: PVT model 
Parameter Mid PVT model 
Formation GOR (scf/stb) 485 
Oil API (°API) 31.5 
Gas Gravity (air = 1) 0.699 
H2S mole percentage / 
CO2 mole percentage 0.10 
N2 mole percentage 0.23 
Water salinity (ppm) 100,000 
Bubble Point (psia) 2640 
Reservoir temperature (°F) 157 
PVT model Glaso 
Well characteristics 
One single highly deviated (85°) well was placed in the middle of the x-axis (East-West direction) of the model and was set 
to fully cross the Upper and the Middle Kaapo. A horizontal well design was tested but this option was not kept as the 
individual sands were hard to predict. The placement of a horizontal lateral would indeed be risky in the considered 
depositional setting and the lateral may not intersect any sand. The deviation angle of 85° was chosen to ensure that a 
maximum of reservoir layers were intersected while keeping the well deviated section length to a minimum. 
The well deviated section was set to start at the depth defined by the GOC offset and was set to be in contact with the 
Upper Kaapo top layer. The well depth was increasing as one was moving along the y-axis towards the North. 
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The well constraints are detailed in Table 7. 
 
Table 7: Well constraints 
Well constraint Value 
Maximum liquid rate  5250 stb/day 
Minimum oil rate  500 stb/day 
Minimum PW (Pressure Well) 300 psia 
Minimum THP (Tubing Head Pressure) 300 psia 
Well uptime 0.76 
Maximum gas lift 2 MMscf/day 
Sensitivity analysis 
Impact of the parameters 
The tornado chart presented in Figure 1 shows the impact of the parameters described above on the recovery factor at 
01/01/2026. Simulations were computed for three different lateral well positions in order to avoid any bias related to a 
preferential positioning. The tornado chart displayed in Figure 1 shows the average results for those three sets of simulations.  
 
The results showed a base 
recovery factor of 23.5% and 
confirmed the strongest impact 
of the geological distribution on 
the oil recovery. When the low 
geological distribution was 
selected the recovery factor 
dropped to 10.4%. On the 
opposite, selecting the high 
geological distribution only 
induced a negligible increase of 
the recovery factor. The impact 
of the sand distribution and in 
particular the impact of the sand 
fraction was more extensively 
studied and is discussed later in 
this paper.  
The aquifer strength proved 
to be a key uncertainty. A low-
medium aquifer strength was 
chosen as the base case, with a 
ratio of 10 (volume of water in 
the aquifer over the volume of 
oil in the field). The previous 
simulations showed that moving 
this ratio to a value of 40 (strong 
aquifer) increases the recovery factor from 23.5 to 30.8%. Similarly, in the case of an almost non-existent/non-connected 
aquifer (ratio of 1.4) the recovery factor dropped to 14.7%.  
The impact of the gas-cap size (m-factor) proved to be limited. A low m-factor of 0.1 led to a recovery factor of 20.5%, in 
other words to a decrease of 3% from the base case for which a 0.5 m-factor was chosen. A high m-factor of 1 led to a 
decrease of 1.7% of the final recovery factor to 21.7%. The fact that the recovery factor was decreased in case of a higher m-
factor when compared to the base case was unexpected and is discussed later in this report.  
The well depth (ie. the well vertical offset from the GOC) proved to have a noticeable but limited impact on the recovery: 
from the 95 ft base case offset, placing the well 30 ft shallower decreased the recovery factor of 3.2%. Placing it 30 ft deeper 
increased the recovery of 1.6%.The impacts of the m-factor and the well depth have been studying more extensively and the 
obtained results are presented later in this paper. 
Parameters impact around the extremes 
In order to investigate further the extreme high and low recovery cases, two more tornado charts were generated and were 
respectively based on the low geological distribution and the strong aquifer cases. The tornado chart displayed on Figure 2 
assumes a low geological distribution and shows the impact of the various parameters in that case 
max gas rate (low) 
Nw (high) 
Nw (low) 
geological 
distribution (high) 
kv/kh (low) 
max gas rate (high) 
perm MK (low) 
Now (high) 
injectites C 
injectites A 
Now (low) 
well depth (high) 
m-factor (high) 
injectites B 
perm UK (low) 
Nog (high) 
Nog (low) 
kv/kh (high) 
Ng (high) 
Ng (low) 
m-factor (low) 
well depth (low) 
perm MK (high) 
perm UK (high) 
aquifer (high) 
aquifer (low) 
geological 
distribution (low) 
5 7 9 11 13 15 17 19 21 23 25 27 29 31 33 35
Recovery Factor (%) 
Figure 1: Tornado chart showing the impact of the parameters on the recovery factor at 
01/01/2026; the results displayed are the average results for three well areal positions. The 
indices -1 and +1 respectively refers to the low and high values for each parameter 
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In this case the recovery 
factor went down to 10.4%. 
Although the impact of the 
aquifer strength was then the 
most critical one, it appeared to 
be slightly more limited than in 
the base case. A strong aquifer 
(40 ratio) in this case increased 
the recovery of 5.5%, when the 
same aquifer ratio induced a 
7.3% increase with the base 
geological distribution. 
Similarly, a very low aquifer 
ratio induced a decrease in the 
recovery factor of 3% when the 
decrease was of 8.8% with the 
base case. Moreover, those 
results showed that the impact 
of a low geological distribution 
on the recovery could be 
partially mitigated by the 
presence of injectites. The 
injectites design A (sand 
fraction: 10%, average 
thickness: 15 ft) led to a 5.3% 
increase in the recovery, when the injectites design B (sand fraction: 15%, average thickness: 40 ft) and C (sand fraction: 20%, 
average thickness: 80 ft) respectively led to a 3.8 and to a 2.9% increases. 
 
The tornado chart on Figure 3 assumes a strong aquifer (40 ratio) and shows the impact of the various parameters on the 
recovery. 
 
In the case of a strong 
aquifer the recovery got up to 
30.2%. The sand distribution 
was there the most critical 
parameter, as it translates how 
well the aquifer is connected to 
the main reservoir. This 
explains why a low sand 
distribution led to a 15.8% 
decrease in the final recovery, 
the energy from the aquifer 
being poorly transmitted to the 
reservoir. Nonetheless, 
selecting the high geological 
distribution only induced a 
1.2% increase of the recovery 
factor. This was explained by 
the fact that the channels in 
both the Upper and the Middle 
Kaapo were well connected in 
the base case, and the 
connectivity was not much 
improved in the case of a high 
sand distribution.  
The gas-cap size had a more 
limited influence on the recovery with a strong aquifer when compared to the base case. Changing the m-factor to its low value 
(0.1) induced a 1.8% decrease of the recovery factor, while setting it to its high value (1) provoked a limited increase of 0.7%. 
Nw (high) 
perm UK (high) 
max gas rate (high) 
max gas rate (low) 
kv/kh (low) 
Now (high) 
m-factor (high) 
m-factor (low) 
well depth (low) 
Nog (high) 
well depth (high) 
perm MK (high) 
kv/kh (high) 
Nw (low) 
Now (low) 
perm UK (high) 
injectites C aquifer (low) 
perm MK (high) 
Nog (low) 
injectites B 
Ng (low) 
Ng (high) 
injectites A 
aquifer (high) 
geological 
distribution (base) 
5 7 9 11 13 15 17 19 21 23 25 27 29 31 33 35
Recovery Factor (%) 
Figure 2: Tornado chart showing the impact of the parameters on the recovery factor at 
01/01/2026 if the geological distribution is set to the low case 
well depth (high) 
max gas rate (low) 
max gas rate (high) 
Nw (low) 
injectites C 
m-factor (high) 
Nog_+1 
geological 
distribution (high) 
kv/kh (low) 
Nog (low) 
injectites B 
Ng (high) 
m-factor (low) 
injectites A 
Nw (high) 
perm MK (low) 
Ng (low) 
perm MK (high) 
Now (high) 
Now (low) 
well depth (low) 
kv/kh (high) 
perm UK (low) 
perm UK (high) 
aquifer (base) 
geological 
distribution (low) 
10 12 14 16 18 20 22 24 26 28 30 32 34 36 38 40
Recovery Factor (%) 
Figure 3: Tornado chart showing the impact of the parameters on the recovery factor at 
01/01/2026 in the case of a strong aquifer (aquifer ratio: 40) 
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While for the base case increasing the gas-cap size induced an earlier gas-conning and a lower recovery, in the case of a strong 
aquifer this phenomenon was balanced by the aquifer inflow. As the gas-conning was then delayed in the well, the extra-
energy procured by a larger gas-cap could induce an increase of the recovery factor. 
Setting the well depth to its shallower value (65 ft under the GOC) induced a 3.5% drop in the recovery, while setting it to 
its deepest value (125 ft under the GOC) only increased the recovery of 0.1%. 
Sand fraction impact 
Simulations showed that selecting the low case in terms of geological distribution induced a drop of 12.9% in the recovery 
factor when compared to the base case. In order to investigate the impact of the sand distribution further sensitivities were run 
to assess the influence of the sand fraction on the recovery. In addition to its direct impact on the volume in place, this was 
found to be a critical parameter playing a major role in the connectivity between the sand bodies.  
Nine geological models were derived from the base case distribution, varying the sand fraction from 15 to 55% in the Upper 
Kaapo. The Middle Kaapo distribution was kept unchanged. Simulations were run from the 01/01/2019 until the 01/01/2045 
although in most cases the production stopped before the end of 2025 as the lift died out. 
The graphs displayed in Figure 4 show the impact of the sand fraction in the Upper Kaapo on the recovery factor and on 
the produced oil cumulative for this zone, and do not include the Middle Kaapo. 
 
 
 
Figure 4: Impact of the sand fraction in the Upper Kaapo on the recovery factor and on the produced oil cumulative at 01/01/2045 in 
this zone. The results for the oil cumulative have been normalized by the initial oil in-place in the base case model for the Upper 
Kaapo 
The recovery factor varied from 15 to 21% (respectively for a sand fraction of 15% and above 45%). The results showed 
that the recovery factor dropped sharply when the sand fraction fell below 25%. With a sand fraction between 25 and 35% the 
recovery factor stabilized around 19%. This value augmented as the sand fraction was increased above 35 % to reach 21% for 
a 40% sand fraction, and stabilized at this value for sand fractions up to 55%. Low sand fraction values (15 – 20%) induced a 
very low number of channels in the Upper Kaapo and therefore a worse connectivity between those, which had a direct impact 
on the recovery. In addition to this, the produced oil volumes became very low: for a 15% sand fraction, only 6% of the oil in-
place in the base case for the Upper Kaapo could be produced, and this proportion was of 9% for a 20% sand fraction.  
 
The same sensitivity study was undertaken in order to assess the impact of the sand fraction in the Middle Kaapo. The 
graphs on displayed in Figure 5 show the influence of the sand fraction in the Middle Kaapo on the recovery factor and on the 
produced oil cumulative for this zone, and do not include the Upper Kaapo. The results are showed for no injectites and for the 
injectites design C (20% density, 80 ft average vertical length) which proved to be the one which was improving the recovery 
factor the most for low sand fraction values. 
With no injectites present the recovery factor varied from 19 to 31% (respectively for sand fractions of 15 and 60%). The 
recovery factor dropped sharply when the sand fraction got lower than 30%. For sand fractions under this value, the results did 
not show a smooth trend. This was explained by the fact that low sand fraction values were inducing a low number of channels 
in the Middle Kaapo. As the sand fraction was increased, some channels were added in this zone. Those added channels could 
then be connected to the reservoir in contact with the well or not. In the case the added channels were well connected these 
induced an increased recovery but if these were not the recovery was poorer. 
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Figure 5: Impact of the sand fraction in the Middle Kaapo on the recovery factor at 01/01/2045. The results are shown for no injectites 
in the Middle Kaapo (red) and for the injectites design C (20% density, 80 ft average vertical length, blue) 
Between sand fraction values of 30 and 50% the recovery factor increased slightly going from 28 to 29%. This value 
increased up to 31% for sand fractions of 60 and 65% and stabilized around 30% for sand fractions above 65%. Those small 
variations in the recovery for sand fractions above 55% were attributed to numerical phenomena, and it is believed that the 
recovery should remain stable around 30% for sand fraction values above 55%, as in this case all the channels became well 
connected. 
Adding injectites to the model allowed obtaining a smoother recovery factor curve for sand fraction values under 30%. 
Also the recoveries in this case were higher than in the case without injectites (up to 2.6% increase for a 15% sand fraction). 
For sand fractions above 30% the recoveries with or without injectites were much similar. Injectites allowed improving the 
connectivity between the channels in the Middle Kaapo for low sand fraction values. 
NTG distributions 
The NTG distributions in the Upper and Middle Kaapo were derived from the wells A and B logs. Only the well B 
encountered the Upper Kaapo sands in the field, and the NTG in this formation computed from this well was found to be 0.34. 
The probability that this well had hit the edge of the main back-stepping channel in the Upper Kaapo was considered to be 
substantial; it was therefore believed that the average NTG computed from a well targeting the center of the main back-
stepping channel in the Upper Kaapo would be higher than this value. Both the well A and B had hit sands in the Middle 
Kaapo. The average NTG computed from the two wells was found to be 0.27 for this formation. 
In order to compare the geological models against this data, the NTG was averaged for every vertical column of cells in the 
Upper and the Middle Kaapo. This was equivalent to placing vertical wells regularly over the whole model and computing the 
NTG averages for each of these wells in the two formations. The results were compiled in order to show the proportions of 
wells lying in different NTG ranges. The chart displayed in Figure 6 exhibits this distribution obtained for the base geological 
concept and displays the results for the Upper and the Middle Kaapo average NTG values separately as well as for the average 
NTG over the two formations. 
The results for the Upper Kaapo (yellow) revealed that a well drilled randomly in the model would have almost 50% 
chances to miss the main channel. Furthermore, 35% of the wells in the model proved to have a NTG in the Upper Kaapo 
greater than 0.65 and would therefore be satisfactory. This emphasized the need for reliable interpreted seismic data to 
pinpoint sweet spots in the reservoir before drilling any well in Taru Alpha. 
Only 3% of the wells displayed a NTG in the Upper Kaapo between 0.25 and 0.40. This did not compare well with the 0.34 
NTG found in the Upper Kaapo by the well B. As it is believed that this well had been drilled at the edge of the main Upper 
Kaapo channel and therefore would display a NTG lower than what could be expected if it had hit the channel at its center, the 
base case distribution for the Upper Kaapo could not be completely discarded. It was nevertheless considered unsatisfactory as 
it poorly compared with the available well data. 
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Figure 6: This figure shows how the average NTG in individual columns of cells over the field distributes. Results are shown for the 
base geological concept and exhibit the average NTG for the Upper and Middle Kaapo separately as well as grouped together 
The Middle Kaapo NTG distribution (green) showed that more than 30% of the wells did not encounter any sand. 23% of 
the wells encountered a NTG comprised between 0.20 and 0.35. This compared in a more satisfactory manner with the well 
data, as the average NTG in the Middle Kaapo over wells A and B was equal to 0.27. Nonetheless, the center of the 
distribution did not exactly lie around this value, as it rested between NTG values of 0.30 and 0.45. This led to consider the 
base case geological distribution as probably slightly too optimistic. 
The results for the Upper and the Middle Kaapo were brought together in a single NTG distribution (blue). This 
distribution showed three modes. The first mode corresponded to the cases where no sand was hit, the second one to the case 
where the Middle Kaapo sands were reached but not the Upper Kaapo ones, while the last one matched the case where both the 
Upper and the Middle Kaapo sands were hit. 
 
Figure 7 relates to the high case geological distributions. 
 
 
Figure 7: This figure shows how the average NTG in individual columns of cells over the field distributes. Results are shown for the 
high geological concept and exhibit the average NTG for the Upper and Middle Kaapo separately as well as grouped together 
The Upper Kaapo NTG distribution (yellow) showed that less wells than in the base case encountered negligible or no sand 
volumes (37% against 47%). Moreover, the results showed a more clear spread between the cases where the main channel was 
hit and the cases where it was not, as 39% of the wells encountered a NTG greater than 0.90. 
Only 2% of the wells encountered a NTG between 0.25 and 0.40. This poorly compared with the 0.34 NTG encountered by the 
well B. 
The Middle Kaapo distribution (green) showed that 31% of the wells did not encounter any sand in this formation. This 
value was slightly less than for the base case (33%). 13% of the wells displayed a NTG comprised between 0.20 and 0.35. This 
did not compare as well as for the base case with the 0.27 average NTG of wells A and B in the Middle Kaapo. Furthermore, 
the center of the NTG distribution (excluding the cases where no sand was hit) was shifted to the right when compared to the 
base case, and lied between NTG values comprised between 0.40 and 0.55. 
The total distribution regrouping both the Upper and the Middle Kaapo (blue) showed a bimodal behavior, the difference 
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between the two modes corresponding whether the Upper Kaapo sands were hit or not. 
 
Figure 8 relates to the low case geological distribution. 
 
 
Figure 8: This figure shows how the average NTG in individual columns of cells over the field distributes. Results are shown for the 
low geological concept and exhibit the average NTG for the Upper and Middle Kaapo separately as well as grouped together 
The Upper Kaapo distribution (yellow) revealed that in the case of the low geological distribution 50% of the wells did not 
encounter any sand. Nonetheless, a higher proportion of wells displayed a NTG comprised between 0.25 and 0.40 than in the 
previous cases. This proportion indeed reached 9% in this case. This compared in a more satisfactory way with the well data. 
Moreover, 27% of the wells encountered NTG comprised between 0.15 and 0.45, and excluding the cases where negligible 
sand volumes were encountered, the center of the distribution lied between NTG values comprised between 0.25 and 0.40. 
The Middle Kaapo distribution (green) showed that 41% of the wells encountered negligible or no sand volumes in this 
formation (NTG comprised between 0 and 0.05). 30% of the wells showed a sand fraction comprised between 0.20 and 0.35, 
which compared in a more suitable manner with the well data. Excluding the wells that encountered a NTG comprised 
between 0 and 0.05, the center of the distribution lied between NTG values comprised between 0.20 and 0.25. This was 
believed to compare well with the well data, but was judged to be too high for a low case. 
The total distribution (blue) relative to the average NTG over the Upper and the Middle Kaapo showed that almost no well 
encountered a NTG above 0.35. The quality of the reservoir was therefore considered very poor in the low geological concept. 
 
The overall conclusions of the NTG distribution study covered three points. Firstly, the geological base case appeared to be 
too optimistic as the NTG distributions for both the Upper and the Middle Kaapo did not compare well with the available well 
data. Two few wells displayed NTG values in the range of those derived from wells A and B (respectively 0.34 and 0.27 in the 
Upper and the Middle Kaapo): only 3% of the wells displayed a NTG in the Upper Kaapo between 0.25 and 0.40, and although 
23% of the wells encountered a NTG comprised between 0.20 and 0.35 in the Middle Kaapo the NTG distribution was not 
centered around these values but around 0.30 and 0.45. 
The second conclusion covered the geological low case which appeared to be more consistent with the available well data 
than the geological base case. The proportion of wells which in this case showed NTG values comprised between 0.25 and 
0.40 in the Upper Kaapo went up to 9%, while the proportion of wells which showed NTG values comprised between 0.20 and 
0.35 in the Middle Kaapo increased to reach 30%. The center of the Middle Kaapo distribution lied between NTG values 
comprised between 0.20 and 0.25, which was slightly lower than the 0.27 NTG derived from the wells A and B logs. As a 
consequence, the geological low case was considered to be more representative of what the actual geological base case should 
be. It was therefore believed that a base case more representative of the available data would lie between the low and the base 
case, presumably closer to the low case than the base one. The geological low model was in addition considered to be too 
optimistic to effectively represent the actual geological low case for Taru Alpha. 
The last conclusion which was reached at the end of this study was that the geological high case was likely to be too 
optimistic. In this case, only 2% of the wells encountered a NTG between 0.25 and 0.40 in the Upper Kaapo, when only 13% 
of the wells displayed a NTG comprised between 0.20 and 0.35. Those results suggested that the actual geological high case 
forTaru Alpha should be populated with a lower sand fraction than the one presented here. 
 
The conclusions of this study were therefore to reduce the sand fraction in the low, base and high static field scale models 
when populating those with the Upper and Middle Kaapo channels. As shown in the previous sections, bringing the geological 
base case closer to the low one will have a substantial impact in the recovery as the connectivity between the channels will be 
strongly impacted if the sand fraction is reduced. Similarly, the impact on the low case recovery is likely to be important if the 
sand fraction is decreased. On the contrary, the impact on the recovery of decreasing the sand fraction in the high model will 
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most likely be limited, as the difference in the recovery between the base and the high geological distributions was proved to 
be marginal (+0.6% with the high case geological distribution). Nonetheless, reducing the sand fraction for the low, base and 
high cases will have a direct impact on the volumetrics and on the oil-in-place in the field that will need to be taken into 
account. 
Aquifer strength dependency 
In order to investigate further the aquifer strength impact on the oil recovery simulations were run for aquifer ratios varying 
between 1.4 and 150. The results are shown on Figure 9. 
 
 
Figure 9: Recovery factor at 01/01/2026, dependency on the aquifer ratio 
These results confirmed the strong impact of the aquifer ratio on the oil recovery. For aquifer ratios varying from 1.4 to 
150, the recovery factor increased from 14.7% to 32.8%. In addition these results showed that for the range of aquifer ratios 
considered in the previous sensitivity analysis (1.4 – 40) the recovery factor exhibits the strongest variation as it there 
increased from 14.7 to 30.8%. For aquifer ratios comprised between 40 and 150 the recovery factor only increased of 2%. This 
suggested that the aquifer started acting like an infinite aquifer for aquifer ratios greater than 40. 
Gas-cap size dependency 
In order to investigate further the impact of the gas cap size, three sets of simulations corresponding to three different well 
depths (defined from a well GOC offset of respectively 65, 95 and 125 ft) were run with m-factor values increasing from 0.05 
to 1. The results are displayed in Figure 10. 
The results showed that for every well depth an optimum m-factor can be found as the oil recovery factor curves reached a 
maximum for one m-factor value (or several ones in the case of a 125 ft GOC offset). In the case of a 65 ft GOC offset, the 
maximum recovery factor was equal to 20.8% and this value was reached for an m-factor of 0.6. This maximum was of 24.7% 
for a 0.7 m-factor in the case of a 95 ft GOC offset, and of 26.4% for m-factor values comprised between 0.7 and 0.85 in the 
case of 125 ft offset. Those results were explained by the fact that for every well depth, increasing the m-factor increased the 
energy that the gas cap transmitted to the oil rim and therefore the recovery. This behavior remained until the energy became 
important enough to make the gas travel quickly to the well in which early gas conning then occurred, which led to a decrease 
in the recovery. This explained why placing the well deeper allowed having greater m-factor values before reaching the point 
where the recovery started decreasing, as this delayed the gas breakthrough. 
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Figure 10: m-factor impact on the recovery factor at 01/01/2026. The results are shown for three well depths: The GOC offset is 
respectively of 65 ft (pink), 95 ft (blue) and 125 ft (green) 
Discussion 
The study confirmed the major impact of the sand distribution. The results displayed in Figure 1 showed that the low 
geological distribution induced a 13.1% decrease of the recovery factor. This was explained by a much poorer connectivity 
between the channels in both the Upper and the Middle Kaapo. Nonetheless, selecting the high geological distribution only 
induced a negligible increase of the recovery factor, suggesting that the inter-connectivity was not much improved in this case 
when compared to the base one. The results displayed on Figure 2 showed that the impact of a low geological distribution on 
the recovery could be partially mitigated by the presence of injectites. This is consistent with the results obtained when 
modelling injectites in several other fields (see eg. Guargena et al (2007), Briedis et al (2007), Fretwell et al (2007)). The 
injectites design A led to a 5.3% increase in the recovery, when the injectites design B and C respectively led to a 3.8 and to a 
2.9% increases. Those increases in the recovery were nevertheless too limited to fully compensate the drop in the oil recovery 
induced by a poor sand distribution in the models. 
The aquifer strength proved to be a key uncertainty. A low-medium aquifer strength was chosen as the base case, with a 
ratio of 10, and it was shown that selecting a ratio of 40 (strong aquifer) increased the recovery factor from 23.5 to 30.8% 
(Figure 1). Similarly, in the case of an almost non-existent/non-connected aquifer (ratio of 1.4) the recovery factor dropped to 
14.7%. The results displayed on Figures 2 and 3 exhibited the dependency of the aquifer impact on the geological distribution. 
Indeed the differences between the low and the base geological distributions in the aquifer strength impact translate the fact 
that in the situation of a low geological distribution the aquifer became less connected to the main reservoir and therefore its 
energy was poorly transmitted to the reservoir. The little difference between the base and high geological cases was explained 
by the fact that the channels in both the Upper and the Middle Kaapo were well connected in the base case, and the 
connectivity was not much improved in the case of a high sand distribution.  
Although the impact of the gas-cap size (m-factor) proved to be relatively important, it was less critical than what could 
have been expected. A low m-factor of 0.1 led to a decrease of 3% from the base case recovery. A high m-factor of 1 led to a 
decrease of 1.7% of the final recovery factor. The fact that the recovery factor was decreased in case of a higher m-factor when 
compared to the base case was unexpected, and was explained by a more significant gas-conning in the well as the GOR was 
greater. Related to this, the well depth proved to have a noticeable impact on the recovery. The influence of the well depth was 
again linked to how important was the gas-conning in the well. Placing the well shallower and therefore closer to the gas cap 
indeed induced a greater Gas Oil Ratio (GOR), while placing it deeper had the opposite effect. The gas-cap size was therefore 
judged a key parameter to consider for future development phases when optimizing the well depth. It was in addition noted 
that the high permeabilities in the Upper and Middle Kaapo sands as well as the channels North-South orientation (in the 
dipping direction) were parameters acting in favor of a stronger gas-conning in the well. 
The gas-cap size had a more limited influence on the recovery in the case of a strong aquifer when compared to the base 
case. While for the base case increasing the gas-cap size induced a stronger gas-conning and a lower recovery, in the case of a 
strong aquifer this phenomenon was balanced by the aquifer inflow. As the gas-conning was then decreased in the well, the 
extra-energy procured by a larger gas-cap could induce an increase of the recovery factor. 
 The permeability ranges that have been used for this study might be too wide and need to be re-investigated. 
 The range of recovery factors that was obtained from the conceptual model was higher than the one obtained from the old 
full-field model that had been carried out in a previous phase of development for the Taru Alpha field. This could be partly 
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explained by the changes that have been made in the geological distributions as the understanding of the field geology evolved. 
Nonetheless, the main explanation was thought to be the fact that the conceptual and full-field models were showing different 
in-place volumes as the conceptual model was designed in order to represent only one flank of the reservoir. As a consequence 
placing a unique well in the conceptual model was believed to be more effective in terms of recovered oil than placing two or 
three wells in the full-field model. 
 
Conclusions 
 The oil recovery in Taru Alpha will mainly be impacted by: 
1. The sand distribution and in particular the connectivity between the sand bodies. 
2. The connectivity between the reservoir and the aquifers in the area. 
 In addition, the aquifer impact will be dependent on the inter-connectivity in the reservoir. 
 
Recommendations for further study 
 To improve the accuracy and the range of validity of this study: 
1. New base and low geological distributions should be generated taking into account the results of the NTG distribution 
study. Lower sand fractions should be used when populating the models 
2. The uncertainty ranges on the permeability values for both the Upper and the Middle Kaapo should be re-
investigated. Those ranges were too wide and the high values too optimistic in the present study. 
 
Nomenclature 
Bg Gas formation volume factor 
Bo Oil formation volume factor 
bbl barrel of oil 
Fig. Figure 
ft Foot 
GOC Gas Oil Contact 
GOR Gas Oil Ratio 
m Gas cap m-factor 
mD millidarcy 
Ng Corey exponent for gas relative permeability 
Nog Corey exponent for oil relative permeability with respect to gas 
Now Corey exponent for oil relative permeability with respect to water 
Nw Corey exponent for water relative permeability 
NTG Net-To-Gross 
OWC Oil Water Contact 
psi Pounds mass per square inch 
𝑅𝑠 Solution gas ratio (Mscf/stb) 
scf Standard cubic foot 
stb Stock tank barrel 
STOIIP Stock Tank Original Oil In Place 
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Appendix A: Literature Review 
 
 
 
 
 
Paper n° Year Title Authors Contribution 
Petroleum 
Geology 
Conference 
series 2005, 
v.6; p133-144 
2005 Sand injectites: an 
emerging global play in 
deep-water clastic 
environments 
A. Hurst,  
J. A. Cartwright, 
D. Duranti,  
M. Huuse,  
M.Nelson 
Discusses the detection processes of sand 
injectites (borehole, seismic). Presents some of 
the characteristics of the North Sea fields 
involving injectites (Balder, Albaand, Gryphon 
and Alba). Discusses the trapping styles, the 
implications of injectites on the reservoirs and 
seals and the role of overpressure in sand 
injectites plays. 
AAPG Memoir 
87, p. 81-89  
2007 Sandstone Injections at 
Jotun Oil Field, 
Norwegian North Sea – 
Modelling their possible 
effects on Hydrocarbon 
Recovery 
C. G. Guargena,  
T. H. Nilsen,  
G. B. Smith,  
T. H. Hegre,  
J. Wardell 
Case study. Present an integrated approach to 
building a stochastic reservoir development 
model. Stress out the critical factors to capture in 
the stochastic model: 
 
AAPG Memoir 
87, p. 91-102  
2007 Recognition Criteria, 
Significance to Field 
Performance, and 
Reservoir Modeling of 
Sand Injections in the 
Balder Field, North Sea 
N. A. Briedis,  
R. E. Hill,  
D. Bergslien,  
A. Hjellback,  
G. J. Moir 
Case study. Discuss the significance of injected 
sands to field performance. 
AAPG Memoir 
87, p. 119-127 
2007 A New Approach to 3-D 
Geological Modeling of 
Complex Sand Injectite 
Reservoirs: The Alba 
Field, United Kingdom 
Central North Sea 
P. N. Fretwell,  
R. Labourdette, 
W. Gordon 
Canning,  
M. Sweatman,  
J. Hegre 
Case study.  Introduce a new approach enabling 
input of user-defined geological concepts 
through free-form facies cross sections. 
 
AAPG Memoir 
87, p 37-48  
2007 The geometry, distribution 
and development of clastic 
injections in slope 
systems: seismic examples 
from the Upper 
Cretaceous Kyrre 
Formation, Måløy Slope, 
Norwegian Margin 
Jackson, C.A.L Describes the seismic expression of some large-
scale injectites developed in association with 
some late Cretaceous deep marine systems 
located on the Måløy Slope, Norwegian Margin 
and discusses the controls on their development. 
SPE 108655 2007 Development of the 
Gryphon Field Injection 
Wing – Technical 
Challenges and Risks 
N. Hart,  
G. Agneau,  
P. Mattson, 
A. Fisher 
Details the main challenges faced developing the 
Gryphon field injection wing: locating and 
geosteering through a 3D constrained target, 
with high lateral uncertainty and potential for 
wellbore instability. Details how those 
challenges have been dealt with (eg. new 
technologies). 
Oilfield 
Review 20, no. 
2: p34-49 
2008 Sand Injectites Braccini E.,  
de Boer W.,  
Hurst A.,  
Huuse M., 
Vigorito M., 
Templeton G. 
Reviews some of what has been learned about 
injectites from outcrop studies and subsurface 
exploration. Also discuss a few of the known 
hydrocarbon reservoirs (Alba, Gryphon and 
Volund fields) currently believed to be 
associated with sand injectites and describes the 
impact of injectites on their development. 
Tectonophysics 
474 610-632 
2009 Physical modelling of 
sand injectites 
N. Rodriguez,  
P.R. Cobbold,  
H. Løseth 
Explains how sand injectites from the Tampen 
Spur area of the North Sea have been reproduced 
experimentally. 
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SPE 124751 2009 Gryphon Field 
Development – Past, 
Present and Future 
G. Tempeton,  
S. Konings,  
C. Wilkie, P. 
Benton,  
G. Marcas,  
A. Mclnally,  
R. Ings 
More recent than SPE n° 108655, gives insight 
of the recent and future development of the field. 
SPE 154912 2012 The Volund Field: 
Developing A Unique 
Sand Injection Complex In 
Offshore Norway 
A. Townsley,  
M. Schwab, 
E. W. Jameson 
Presents the Volund field in the North Sea. In 
particular gives information about simulation 
modelling (using data from core and logs to 
include injectites in the geomodel). Tells also 
how uncertainty has been assessed, by changing 
the rock properties in one or more of the 
geobody regions and considering additional 
barriers to flow (modelled via reductions to 
kv/kh for those within the injectite wings and 
parallel to dip, and as vertical faults for specific 
vertical barriers cross-cutting the injectite 
wings).  
SPE 166500 2013 Generation of an Accurate 
Conceptual Model for 
Green Fields 
G. De Paola, 
R.Rodriguez, 
Torrado, 
D. Bhattacharjya, 
U. Mello,  
S. Embid 
Propose a methodology to bridge the gap 
between geo-statistical techniques used to 
populate three-dimensional static models and the 
zero-dimensional data provided by statistical or 
analogues workflows. 
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A. Hurst and J. Cartwright, eds., Sand Injectites: Implications for hydrocarbon exploration and production: AAPG 
Memoir 87, p. 81-89 (2007) 
 
Sandstone Injections at Jotun Oil Field, Norwegian North Sea – Modelling their possible effects on Hydrocarbon Recovery 
 
Authors: C. G. Guargena, T. H. Nilsen, G. B. Smith, T. H. Hegre, J. Wardell 
 
Contribution to the understanding of sand injectites modelling: 
Case study. Present an integrated approach to building a stochastic reservoir development model. Stress out the critical factors 
to capture in the stochastic model: 
 
Objective of the paper: 
Describe three-dimensional stochastic modelling of the Jotun field 
 
Conclusion reached: 
Major uncertainties in the geological modelling: 
1. Extent of faulting, 
2. Sandstone injection, 
3. Slumping as features, which disrupt shale continuity at core scale and which might greatly increase vertical 
communication. 
Comments: 
Uncertainties associated with connectivity and reservoir properties addressed as scenarios of the base case. 
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A. Hurst and J. Cartwright, eds., Sand Injectites: Implications for hydrocarbon exploration and production: AAPG 
Memoir 87, p. 91-102 (2007) 
 
Recognition Criteria, Significance to Field Performance, and Reservoir Modeling of Sand Injections in the Balder Field, North 
Sea 
 
Authors: N. A. Briedis, R. E. Hill, D. Bergslien, A. Hjellback, G. J. Moir 
 
Contribution to the understanding of sand injectites modelling: 
Case study. Discuss the significance of injected sands to field performance.  
 
Objective of the paper: 
Introduce a methodology to model sand injections at various scales and shapes. 
 
Conclusion reached: 
1. Interpreted seismic-scale features should be inserted deterministically using depth-converted grids and model 
operations. 
2. Outcrop-scale features should be built into the model stochastically. 
3. Core-scale injections can be accounted for by building progression of ultra-high-resolution minimodels, then running 
flow-based diagonal tensor scale-up to generate effective permeabilities. These effective properties can then be 
inserted into the background shale facies using standard sequential Gaussian simulation techniques. 
Comments: 
Uncertainties associated with connectivity and reservoir properties addressed as scenarios of the base case. 
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A. Hurst and J. Cartwright, eds., Sand Injectites: Implications for hydrocarbon exploration and production: AAPG 
Memoir 87, p. 119-127 (2007) 
 
A New Approach to 3-D Geological Modeling of Complex Sand Injectite Reservoirs: The Alba Field, United Kingdom 
Central North Sea 
 
Authors: P. N. Fretwell, R. Labourdette, W. Gordon Canning, M. Sweatman, J. Hegre 
 
Contribution to the understanding of sand injectites modelling: 
Case study.  
 
Objective of the paper: 
Introduce a new approach enabling input of user-defined geological concepts through free-form facies cross sections. 
 
Conclusion reached: 
The proportion of injected sands and reservoir heterogeneity is an important factor between injection and production wells in 
this field. 
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Oilfield Review 20, no. 2: p. 34-49 
 
Sand Injectites 
 
Authors: Braccini E., de Boer W., Hurst A., Huuse M., Vigorito M. and Templeton G. 
 
Contribution to the understanding of sand injectites: 
Discuss the sand injectites from a geological perspective (recognition, outcrop observations, mechanics of sand intrusions) and 
three fields which include injected sands. Discuss the observed effects of injectites on the hydrocarbons production. 
 
Objective of the paper: 
Summarize the knowledge about sand injectites and their known effects. 
 
Conclusion reached: 
The presence of sand injectites can strongly reduce the number of wells necessary to develop a field and the additional 
connectivity caused by injected sands must be considered for optimal production. 
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SPE 166500 (2013) 
 
Generation of an Accurate Conceptual Model for Green Fields 
 
Authors: G. De Paola, R.Rodriguez Torrado, Repsol, D. Bhattacharjya, U. Mello, S. Embid 
 
Contribution to the understanding of conceptual modelling: 
Propose a methodology to bridge the gap between geo-statistical techniques used to populate three-dimensional static models 
and the zero-dimensional data provided by statistical or analogues workflows. 
 
Objective of the paper: 
Apply conceptual modelling to the Brugge field benchmark which presents 104 geological realizations (Peters et al (2010), 
Peters et al (2009)) and compare the results to the ones obtained thanks to a full-field model. 
 
Methodology used: 
Start from the analogues generation.  
1. Structural uncertainty is represented by the reservoir area and thickness and the width-over-length ratio. 
2. Facies proportion to be estimated from analogues mean and variability and optimized using Mixed Integer Linear 
Programming. 
3. Facies and properties distribution: kriging interpolation technique joint to a variogram to provide a best guess for 
continuous variables; multi-point geo-statistics for categorical variables. 
Conclusion reached: 
1. The methodology showed good predictive capability to estimate both reserves and dynamic response of a reservoir of 
which very little information is known. 
2. The uncertainty range defined by the conceptual model is wider than the full-field model. 
Comments: 
Very wide uncertainty range since only analogues data has been used. 
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Appendix B: Geology of the Taru Alpha area 
(Adapted from Shell internal reports) 
 
The Taru Alpha field is located in the Central North Sea and was discovered by Shell exploration well A. The main 
reservoir in the area is the Kaapo formation and was deposited during the Eocene period in the form of deep water turbidite 
channel deposits. The Kaapo reservoir is limited to the north by a major Northeast-Southeast trending lineament called the 
Southern Fault and pinches out to the south against a structural high. 
 
Stratigraphy 
The Taru Alpha field belongs to the Southern Kaapo Fan System, a subsidiary small fan body that joins the main Eocene-
age Kaapo Fan System. Reservoir intervals are separated by major, semi-regional to regional shales and occur in a sequence 
that lies unconformably on the chalk of the Avena Formation. The overlaying formation consists of Eocene and younger shales 
of the Coriolan Group. The Middle and Upper Kaapo hydrocarbons-bearing sands belong to the Coriolan Group, while the 
Lower Kaapo water-bearing sands are part of the Olivia Group. 
 
Basin Evolution 
The primary fans in the area among which the Kaapo Fan were deposited across a structurally diverse basin influenced by 
salt and gravity tectonics during Late Jurassic and Early Cretaceous periods. Onlap of fans onto structural and stratigraphic 
highs, salt diapirs and earlier fans reflect the interaction of sedimentation with salt tectonics. Halokinesis continued after 
deposition of these fans and induced soft-sediment deformation, while gravitational tectonics provoked folding and thrust 
faulting in the basin. Salt and gravitational tectonics further led to the formation of two subsidiary fan systems in the southwest 
of the primary Kaapo Fan System. 
The tectonic setting of the area is divided into three parts: the Western Central Graben System, the Western Boundary 
Fault Zone and the Western Platform. Taru Alpha field is located on the Western Platform, an area influenced by salt tectonics 
and gravitational sliding. 
 
Kaapo Fan System 
The Kaapo Fan System covers much of the southern half of two quads of the Central North Sea. It is a composite, 
irregularly shaped fan system which main body trends WNW-ESE, intersecting the Western Graben System. Its dimensions 
are 20 to 30 km in width and over 120 km in length. Two other fan bodies adjoin the main fairway in the southern part of the 
fan. These attain widths of 2 to 10 km and lengths of 30 to 40 km, and make the Kaapo Fan outline irregular in shape. The 
internal Kaapo Fan architecture is characterized by channel networks and fan lobes that show large scale fan stacking and 
proximal to distal channel connectivity. The fan systems are generally clay-rich with a medium degree of channel connectivity. 
 
Southern Kaapo Fan System Evolution 
The distribution of the Paleocene to Eocene fans in the regional Taru Alpha area is controlled by regional tectonics and 
compensational stacking. However, the exact evolution of the side fans and sedimentary environment around the Taru Alpha 
area is not yet clearly determined.  
The Southern Kaapo Fan was deposited in a deep marine valley delimited to the north by the Sylvia South Fault and is 
divided into two formations, the Upper and the Middle Kaapo. To the North of the Southern Kaapo Fan lays the major 
northwards dipping and WSW-ENE oriented Sylvia South Fault. Acting as a depocenter and a passage for the flows, it 
contributed to the formation of a major fan called Andrea, which resulted in the migration of the upper T75, T80 Oddin and 
Kaapo fans to their northern and southern boundaries. South of the Sylvia South Fault, where Taru Alpha field is located, 
compensational stacking forces during late T75 and T80 flowed and excavated an erosional valley where some lags were 
deposited, and formed an extensive fan to the west of the area. The erosional character of the upper T75-80 valley is depicted 
by the sudden truncation of the seismic reflections at the southern edge of the main side Andrea Fan, the significant thinning of 
the Top Chalk to Top Luke packet, and the very thin Lista and Sele formations.  
The much smaller thickness of the Sele and Luke formation in the BEB area, in combination with the sudden termination 
of the seismic reflections at the edges of the valley, indicates that it was through this erosional valley that Kaapo gravity flows 
run and resulted in the formation of the extensive Kaapo Fan at the basin floor 
 
Souther Kaapo Fan statigraphy and Kaapo facies distribution 
Biostratigraphic data resulted in the deviation of the Kaapo Member into upper, mid, and lower Kaapo. In the study area, 
only sandstone beds from the upper (PT23) and mid (PT22.4 and PT22.3) Kaapo are observed to have been deposited. In the 
mid and lower Kaapo Member, thin sandstone beds (< 2 ft) exhibiting clear evidence of fluidization and injection (e.g. 
truncation of layering in overlying strata, angular mud clasts, fluidization structures) are observed throughout the well cores 
from the Kaapo Member. However, common contorted and distorted sand and mud clasts and mud chip beds at the base of 
thicker sandstones beds could also be interpreted as channel form deposits. The absence or limited observations of ripples or 
planar lamination in the sandstones is attributed to either bad condition of the cores (crambled), or the liquefaction and 
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fluidization of the channel sand bodies that also resulted in the formation of the injectites. 
 
Conceptual depositional models 
The Figure 12 illustrates the geological evolution of the area according to the conceptual depositional models that have 
been developed. Following the compensational stacking forces during late T75 and T80 which flowed and excavated an 
erosional valley the Middle Kaapo flows re-excavated the valley and formed some channelized sand bodies. The flows carried 
on to the west and were responsible of the formation of the large main Kaapo Fan at the west end of the valley. The valley was 
last infilled by the Upper Kaapo flows in the form of back-stepping sand lobes and channels as the Upper Kaapo flows did not 
reach the end of the valley and the main Kaapo Fan. 
 
 
Figure 11: Fan complex evolution. Cartoon showing interpreted seismic sections integrated with well and biostratigraphic data 
The floor of the valley is occupied by Middle Kaapo channels (0.2 – 1 km wide) of large lateral offset and limited 
aggradation (Figure 12). The Upper Kaapo sandstones represent more extensive back-stepping infilling lobes (Figure 12). 
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Figure 12: Conceptual model for the Middle and the Upper Kaapo in the regional Taru Alpha area 
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Appendix C: Static models facies distributions 
The depositional models described in Appendix 1 were used along with analogue fields and the available seismic data in 
order to define quantitative parameters used to populate the static conceptual using Petrel Object Modeling (stochastic) 
functionality. 
In the following tables are given the parameters used to stochastically populate the low, base and high static models. 
 
Low concept 
Formation Facies generated Sand fraction (%) 
Upper Kaapo Back-stepping channels 17.15 
Middle Kaapo Migrating channels 14.90 
Table 8: Low geological concept facies 
 Distribution Drift [0-1] Med/mean 
Width (m) Triangular 0.2 150 
Thickness (ft) Triangular 0.2 5 
Amplitude (m) Deterministic 0.2 100 
Wavelength (m) Deterministic 0.2 1000 
Table 9: Low geological concept Upper U. section and layout characteristics 
 Distribution Drift [0-1] Med/mean 
Width (m) Triangular 0.2 200 
Thickness (ft) Triangular 0.2 5 
Amplitude (m) Deterministic 0.2 200 
Wavelength (m) Deterministic 0.2 3000 
Table 10: Low geological concept Middle U. section and layout characteristics 
Base concept 
Formation Facies generated Sand fraction (%) 
Upper U. Back-stepping channels 32.78 
Middle U. Migrating channels 26.42 
Table 11: Base geological concept facies 
 Distribution Drift [0-1] Med/mean 
Width (m) Triangular 0.2 250 
Thickness (ft) Triangular 0.2 10 
Amplitude (m) Deterministic 0.2 150 
Wavelength (m) Deterministic 0.2 1500 
Table 12: Base geological concept Upper U. section and layout characteristics 
 Distribution Drift [0-1] Med/mean 
Width (m) Triangular 0.2 250 
Thickness (ft) Triangular 0.2 10 
Amplitude (m) Deterministic 0.2 150 
Wavelength (m) Deterministic 0.2 1500 
Table 13: Base geological concept Middle U. section and layout characteristics 
High concept 
Formation Facies generated Sand fraction (%) 
Upper U. Back-stepping channel lobes 51.78 
Middle U. Migrating channels 31.76 
Table 14: High geological concept facies 
 Distribution Drift [0-1] Med/mean 
Width (m) Triangular 0.2 500 
Thickness (ft) Triangular 0.2 20 
Amplitude (m) Deterministic 0.2 500 
Wavelength (m) Deterministic 0.2 3000 
Table 15: High geological concept Upper U. section and layout characteristics 
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 Distribution Drift [0-1] Med/mean 
Width (m) Triangular 0.2 300 
Thickness (ft) Triangular 0.2 10 
Amplitude (m) Deterministic 0.2 1000 
Wavelength (m) Deterministic 0.2 5000 
Table 16: High geological concept Middle U. section and layout characteristics 
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Appendix D: Sensitivity analysis dependency on well lateral position 
 
Impact of the lateral well positioning 
Simulations were computed for three different lateral well positions in order to avoid any bias related to a preferential 
positioning. The first well position is at the middle of the East-West axis (x-axis, perpendicular to the model dip direction). 
The second one is set 40 meters away to the East from this location. The third one is set 40 meters to the West from the initial 
position. The following tornado charts show the impact of the parameters described above on the recovery factor at 01/01/2026 
for the three well lateral positions. 
 
 
Figure 13: Tornado chart. Well position 1 
 
 
Figure 14: Tornado chart. Well position 2 
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Figure 15: Tornado chart. Well position 3 
 
 
Figure 16: Tornado chart. Averaged results over the three well positions 
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